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RISK-BASED AREA OF REVIEW (AOR) ESTIMATION TO SUPPORT INJECTION 
WELL STORAGE FACILITY PERMIT REQUIREMENTS FOR CO2 STORAGE 

PROJECTS 
 
 
ABSTRACT 
 
 This paper by the Energy & Environmental Research Center presents a workflow for 
delineating a risk-based area of review (AOR) to support a U.S. Environmental Protection Agency 
(EPA) Class VI permit for a carbon dioxide (CO2) storage project. The approach combines 
semianalytical solutions for estimating the formation fluid leakage through a hypothetical leaky 
wellbore with the results of numerical reservoir simulations. The workflow is demonstrated using 
a case study for a 180,000-metric-ton-per-year storage project located in the PCOR (Plains CO2 
Reduction) Partnership region. Under the scenario where the leaky wellbore is open to a saline 
aquifer (thief zone) between the overlying seal (cap rock) and the underground sources of drinking 
water (USDW), the risk-based AOR collapses to the areal extent of the CO2 plume in the storage 
reservoir because the pressure buildup in the storage reservoir beyond the CO2 plume is 
insufficient to drive formation fluids up a hypothetical leaky wellbore into the USDW. However, 
even under the conservative assumption that the leaky wellbore is not open to a thief zone, beyond 
the areal extent of the CO2 plume, the incremental leakage is less than 400 m3 over 20 years, which 
represents ~0.0001% or less of the total volume of water contained within the USDW rock volume. 
The approach outlined in this paper is designed to be protective of USDWs and comply with the 
Safe Drinking Water Act requirements and provisions for the U.S. EPA Class VI Underground 
Injection Control (UIC) Program (Class VI Rule) and North Dakota Administrative Code  
Chapter 43-05-01. 
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RISK-BASED AREA OF REVIEW (AOR) ESTIMATION TO SUPPORT INJECTION 
WELL STORAGE FACILITY PERMIT REQUIREMENTS FOR CO2 STORAGE 

PROJECTS 
 
 
EXECUTIVE SUMMARY 
 
 This paper by the Energy & Environmental Research Center presents a workflow and 
modeling approach for delineating a risk-based area of review (AOR) to support a U.S. 
Environmental Protection Agency (EPA) Class VI permit for a carbon dioxide (CO2) storage 
project. The approach combines semianalytical solutions for estimating formation fluid leakage 
through a hypothetical leaky wellbore with the results of numerical reservoir simulations to define 
the AOR. 
 
 The modeling utilizes 1) semianalytical solutions from the peer-reviewed literature for 
formation fluid leakage through abandoned wellbores by Raven (1990) and Avci (1994), 2) a 
FORTRAN model compiled and described in Cihan et al. (2011, 2012) called ASLMA (Analytical 
Solution for Leakage in Multilayered Aquifers), and 3) a computational framework for estimating 
a risk-based AOR first proposed by Oldenburg et al. (2014, 2016). Therefore, the approach builds 
upon well-established research and underlying hydrogeological principles that have been upheld 
for nearly three decades. Moreover, the ASLMA model has been broadly applied to an array of 
storage projects. The work presented herein extends these earlier works using a custom wrapper 
written in the software environment, R (R Core Team, 2020), which was developed to perform 
multiple runs of the ASLMA model using given ranges for one or more input parameters. In 
addition, the current work simulates the pressure buildup within the storage reservoir in response 
to CO2 injection using a compositional simulator to better accommodate the temporospatial 
evolution of pressure buildup within the storage reservoir that is more accurately modeled using a 
heterogeneous geologic model and a compositional simulator that accounts for the multiphase 
interactions. 
 
 The workflow is demonstrated using a case study for a 180,000-metric-ton-per-year storage 
project located in the PCOR (Plains CO2 Reduction) Partnership region. For the storage project 
evaluated here, under the scenario where the leaky wellbore is open to a saline aquifer (thief zone) 
between the overlying seal (cap rock) and the underground sources of drinking water (USDW), 
the risk-based AOR essentially collapses to the areal extent of the CO2 plume in the storage 
reservoir because the pressure buildup in the storage reservoir beyond the CO2 plume is 
insufficient to drive formation fluids up a hypothetical leaky wellbore into the USDW. However, 
even under the conservative assumption that the leaky wellbore is not open to a thief zone, beyond 
the areal extent of the CO2 plume, the incremental leakage is less than 400 m3 over 20 years, which 
represents ~0.0001% or less of the total volume of water contained within the USDW rock volume. 
As discussed in the text, the threshold criterion for defining the risk-based AOR is site-specific 
and should be informed by the results of the sensitivity analysis and available site characterization 
data. 
 
 The approach outlined in this paper is designed to be protective of USDWs and, therefore, 
comply with the Safe Drinking Water Act requirements and provisions for the U.S. EPA Class VI 
Underground Injection Control (UIC) Program (Class VI Rule) and North Dakota Administrative 
Code Chapter 43-05-01. 
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NOTES ON DELIVERABLE D14 
 
 This deliverable has been formatted as a journal article that will eventually be submitted to 
a peer-reviewed journal. Because of the nature of peer-reviewed literature, the final version of this 
document will be modified based on reviewer comments and the specific formatting guidelines of 
the publishing journal. The final version of the paper will be submitted to the U.S. Department of 
Energy project manager. 
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ABSTRACT 11 

This paper presents a workflow for delineating a risk-based area of review (AOR) to support a 12 

U.S. Environmental Protection Agency (EPA) Class VI permit for a carbon dioxide (CO2) 13 

storage project. The approach combines semianalytical solutions for estimating formation fluid 14 

leakage through a hypothetical leaky wellbore with the results of numerical reservoir 15 

simulations. The workflow is demonstrated using a case study for a 180,000-metric-ton-per-year 16 

storage project located in the PCOR (Plains CO2 Reduction) Partnership region. Under the 17 

scenario where the leaky wellbore is open to a saline aquifer (thief zone) between the overlying 18 

seal (cap rock) and the underground sources of drinking water (USDW), the risk-based AOR 19 

collapses to the areal extent of the CO2 plume in the storage reservoir because the pressure 20 

buildup in the storage reservoir beyond the CO2 plume is insufficient to drive formation fluids up 21 

a hypothetical leaky wellbore into the USDW. However, even under the conservative assumption 22 

that the leaky wellbore is not open to a thief zone, beyond the areal extent of the CO2 plume, the 23 

incremental leakage is less than 400 m3 over 20 years, which represents ~0.0001% or less of the 24 

total volume of water contained within the USDW rock volume. The approach outlined in this 25 

paper is designed to be protective of USDWs and comply with the Safe Drinking Water Act 26 

requirements and provisions for the U.S. EPA Class VI Underground Injection Control (UIC) 27 

Program (Class VI Rule) and North Dakota Administrative Code Chapter 43-05-01. 28 

KEYWORDS: Area of Review (AOR), Class VI Rule, Storage Facility Permit, CCS  29 
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1.0 INTRODUCTION 30 

 Carbon capture and storage (CCS) is a process whereby carbon dioxide (CO2) is captured 31 

from an industrial facility, preventing its release to the atmosphere, and injected via one or more 32 

injection wells into a deep geologic reservoir for permanent storage. CCS is a key technology 33 

option to mitigate CO2 emissions while allowing the full range of economic and societal benefits 34 

derived from fossil fuels. The PCOR (Plains CO2 Reduction) Partnership, funded by the U.S. 35 

Department of Energy (DOE), the North Dakota Industrial Commission (NDIC), and 36 

participating member organizations, is fostering the deployment of CCS in the PCOR 37 

Partnership region. The PCOR Partnership region covers the central interior of North America 38 

and includes all or part of ten states (Alaska, Iowa, Minnesota, Missouri, Montana, Nebraska, 39 

North Dakota, South Dakota, Wisconsin, and Wyoming) and four Canadian provinces (Alberta, 40 

British Columbia, Manitoba, and Saskatchewan). The Energy & Environmental Research Center 41 

(EERC) leads the PCOR Partnership Initiative, with support from the University of Wyoming 42 

and the University of Alaska at Fairbanks. 43 

 In the United States, the U.S. Environmental Protection Agency (EPA) regulates the 44 

construction, operation, permitting, and closure of injection wells used to place fluids 45 

underground for storage. The federal regulations for the Underground Injection Control (UIC) 46 

Program are found in Title 40 of the Code of Federal Regulations. The Safe Drinking Water Act 47 

(SDWA) establishes requirements and provisions for the UIC Program (EPA, 2020). Regulations 48 

for CCS fall under the Class VI Rule of the UIC Program – Wells Used for Geologic 49 

Sequestration of CO2. The Class VI Rule requirements are designed to protect underground 50 

sources of drinking water (USDWs). On April 24, 2018, EPA approved an application from the 51 

state of North Dakota under the SDWA to implement a UIC Program for Class VI injection wells 52 
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located within the state, except within Indian lands. Therefore, in the state of North Dakota, 53 

Class VI injection wells and the associated storage facility permit for the storage project are 54 

managed under the North Dakota Century Code (Chapter 38-22, Carbon Dioxide Underground 55 

Storage) and the North Dakota Administrative Code Chapter 43-05-01 (Geologic Storage of 56 

Carbon Dioxide). 57 

 A CO2 storage project (hereafter “storage project”) comprises a storage facility (an area on 58 

the ground surface, defined by the operator and/or regulatory agency, where CO2 injection 59 

facilities are developed and storage activities, including monitoring, take place) and a storage 60 

complex (a subsurface geological system comprising a storage unit and primary and possibly 61 

secondary seal(s), extending laterally to the defined limits of the CO2 storage operation or 62 

operations) (Canadian Standards Association [CSA], 2012). The primary regulatory permit for a 63 

storage project is the storage facility permit, a major technical component of which is the 64 

delineation of the area of review (AOR). The AOR is defined as the region surrounding the 65 

storage project where underground sources of drinking water may be endangered by the 66 

injection activity (40 CFR 146.84 and North Dakota Administrative Code Section 43-05-01-05.1. 67 

Area of review and corrective action). EPA (2013) guidance for AOR evaluation includes 68 

several computational methods for estimating the pressure buildup in the storage reservoir in 69 

response to CO2 injection and the resultant areal extent of pressure buildup above a “critical 70 

pressure” that could potentially drive higher salinity formation fluids from the storage reservoir 71 

up an open conduit to the lowermost USDW. The methods described in EPA (2013) for 72 

estimating the AOR under the Class VI Rule were developed assuming that the storage reservoirs 73 

would be in hydrostatic equilibrium with overlying aquifers. However, in the state of North 74 

Dakota, and potentially elsewhere around the United States, candidate storage reservoirs are 75 
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already overpressurized relative to overlying aquifers and thus subject to potential vertical 76 

formation fluid migration from the storage reservoir to the lowermost USDW even prior to the 77 

planned storage project. Consequently, applying EPA (2013) methods to these geological 78 

situations essentially results in an infinite AOR, which makes regulatory compliance infeasible. 79 

 Several researchers have recognized the need for alternative methods for estimating the 80 

AOR for locations that are already overpressurized relative to overlying aquifers. For example, 81 

Birkholzer et al. (2014) described the unnecessary conservatism in the EPA’s definition of the 82 

critical pressure, which could lead to a heavy burden on storage facility permit applicants. As an 83 

alternative, the authors proposed a risk‐based reinterpretation of this framework that would allow 84 

for a reduction in the AOR while ensuring protection of drinking water resources. A 85 

computational framework for estimating a risk-based AOR was proposed by Oldenburg et al. 86 

(2014, 2016), who compared formation fluid leakage through a hypothetical open flow path in 87 

the baseline scenario (no CO2 injection) to the incrementally larger leakage that would occur in 88 

the CO2 injection case. The modeling for the risk-based AOR used semianalytical solutions to 89 

single-phase flow equations to model reservoir pressurization and vertical migration through 90 

leaky wells. These semianalytical solutions were extensions of earlier work for formation fluid 91 

leakage through abandoned wellbores by Raven (1990) and Avci (1994), which were creatively 92 

solved, coded, and compiled in FORTRAN under the name, ASLMA (Analytical Solution for 93 

Leakage in Multilayered Aquifers) and extensively described in Cihan et al. (2011, 2012) 94 

(hereafter “ASLMA Model”). Recently, White et al. (2020) outlined a similar risk-based 95 

approach for evaluating the AOR using the National Risk Assessment Partnership (NRAP) 96 

Integrated Assessment Model for Carbon Storage (NRAP-IAM-CS). However, the NRAP-IAM-97 

CS and the subsequent open-sourced version (NRAP-Open-IAM) are constrained to the 98 
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assumption that the storage reservoir is in hydrostatic equilibrium with overlying aquifers and, 99 

therefore, may not accurately estimate the AOR for storage projects located in regions where the 100 

storage reservoir is overpressurized relative to overlying aquifers. 101 

 The current work applies the ASLMA Model to a potential storage project in the PCOR 102 

Partnership region to illustrate how the workflow described by Oldenburg et al. (2014, 2016) can 103 

be used for risk-based AOR estimation to support a Class VI storage facility permit. The 104 

proposed workflow extends the ASLMA Model with custom scripting to include broader 105 

uncertainty quantification and combines the results from numerical reservoir simulations to 106 

estimate the risk-based AOR. In addition, this work examines the effect of an intermediary saline 107 

aquifer between the storage reservoir and USDW, which acts as a “thief zone” because the loss 108 

of fluid into the saline aquifer lowers the vertical hydraulic head gradient with increasing vertical 109 

location in a leaky wellbore, thereby decreasing or nearly eliminating vertical fluid migration 110 

above the saline aquifer to the USDW. The thief zone phenomenon was described by Nordbotten 111 

et al. (2004) as an ‘‘elevator model,’’ by analogy with an elevator full of people on the main 112 

floor, who then get off at various floors as the elevator moves up, such that only very few people 113 

ride all the way to the top floor. The workflow and tools described in this paper provide a 114 

detailed workplan for delineating the AOR for a proposed storage project and to periodically 115 

reevaluate the delineation. 116 

2.0 METHODS 117 

2.1 Risk-Based AOR Workflow 118 

 Figure 1 summarizes the workflow used in this study to develop a risk-based AOR for a 119 

storage facility permit. The methods described in the remainder of this section describe each step 120 

in the workflow and refer to Supporting Information for additional details. 121 
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 122 

Figure 1. Workflow for delineating a risk-based AOR for a storage facility permit. 123 

2.2 Storage Complex Stratigraphy and Properties 124 

 The risk-based AOR workflow begins with simplifying the storage complex stratigraphy 125 

into hydrostratigraphic units and using the best available site characterization data to estimate the 126 

average properties of each unit. Figure 2 illustrates the stratigraphy and average properties used 127 

to represent the storage complex in this study. These properties are averaged from available 128 
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wireline log and drill core data from regional oil and gas wells and project-specific 129 

characterization wells. Individual geologic members are grouped to simplify the stratigraphy into 130 

hydrostratigraphic units with similar hydrologic characteristics related to fluid flow. The 131 

resultant stratigraphy consists of a deep saline formation storage reservoir (Aquifer 1 – Broom 132 

Creek formation, 1938 m deep, 96 m thick), an overlying aquitard that serves as the primary seal 133 

or cap rock (Aquitard 1 – Swift-Broom Creek, 1604 m deep, 334 m thick), an intermediate saline 134 

aquifer (Aquifer 2 – Inyan Kara Group, 1462 deep, 142 m thick [thief zone]), a second set of 135 

aquitards that act as additional seals (Aquitard 2 – Pierre-Inyan Kara, 562 m deep, 900 m thick), 136 

and a shallow USDW (Aquifer 3 – Fox Hills sandstone, 473 m deep, 88 m thick). The units from 137 

the Fox Hills sandstone to the ground surface are not directly modeled; however, the thicknesses 138 

of these units are implicit in the baseline pressures for the underlying units. The average 139 

properties for each hydrostratigraphic unit define the reference (nominal) case for the ASLMA 140 

Model. 141 

 142 

Figure 2. Simplified stratigraphy and average properties used to represent the storage complex. 143 
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2.3 ASLMA Model 144 

 The storage facility permit requires that the operator “predict, using existing site 145 

characterization, monitoring and operational data, and computational modeling, the projected 146 

lateral and vertical migration of the CO2 plume and its associated pressure front in the subsurface 147 

from the commencement of injection activities until the plume movement ceases, or until the end 148 

of a fixed time period as determined by the commission” (North Dakota Administrative Code 149 

Section 43-05-01-05.1 Area of review and corrective action). However, the associated pressure 150 

front (pressure buildup in the storage reservoir) caused by CO2 injection typically extends 151 

beyond the CO2 plume (and 1-mile buffer region) and, consequently, drives the delineation of the 152 

AOR. Therefore, delineation of the AOR typically focuses on pressure buildup in the storage 153 

reservoir. 154 

 Building a geologic model in a commercial-grade software platform like Schlumberger 155 

Petrel and running fluid flow simulations using numerical reservoir simulation in a commercial-156 

grade software platform like Computer Modelling Group’s compositional simulator, GEM 157 

(CMG-GEM), provide the “gold standard” for estimating pressure buildup in response to CO2 158 

injection (e.g., Bosshart et al., 2018). However, these numerical reservoir simulations are 159 

typically limited to the storage reservoir and primary seal formation (cap rock) and do not 160 

include the geologic units overlying the cap rock because of the computational burden of 161 

conducting such a complex simulation. In addition, geologic modeling of the overlying units 162 

may add a substantial amount of time and effort during prefeasibility-phase projects that is 163 

unwarranted given the amount of uncertainty that may be present if a few nearby wells can be 164 

used for characterization activities. Earlier studies (e.g., Nicot, 2008; Birkholzer et al., 2009; 165 

Bandilla et al., 2012; Cihan et al., 2011, 2012) have shown that far-field fluid pressure changes 166 
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outside of the CO2 plume domain can be reasonably well described by a single-phase flow 167 

calculation by representing CO2 injection as an equivalent-volume injection of brine (Oldenburg 168 

et al., 2014). The semianalytical solutions embedded within the ASLMA Model have been 169 

shown to compare well with the numerical model, TOUGH2-ECO2-N, and provided accurate 170 

results for pressures beyond the CO2 plume zone (Birkholzer et al., 2009; Cihan et al., 2011, 171 

2012). Therefore, the proposed workflow for delineating a risk-based AOR uses the ASLMA 172 

Model to examine pressure buildup in the storage reservoir and the resultant effects of this 173 

buildup on the vertical migration of formation fluid via (single) leaky wellbores located at 174 

progressively greater distances from the injection well. The ASLMA Model has been extensively 175 

described in Cihan et al. (2011, 2012), so only the parameterization of the model inputs is 176 

described here. After establishing the site stratigraphy and average properties (Figure 2), the next 177 

step in the risk-based AOR workflow is to generate the set of input parameters needed to 178 

implement the ASLMA Model. A macro-enabled Microsoft Excel workbook with built-in Visual 179 

Basic Application (VBA) functions is included in Supporting Information of this paper, which 180 

provides the calculations needed to execute the ASLMA Model (SI Workbook). 181 

2.3.1 Aquifer- and Aquitard-Derived Properties 182 

 The ASLMA Model assumes homogeneous properties within each hydrostratigraphic unit. 183 

For each unit shown in Figure 2, pressure, temperature, porosity, permeability, and salinity are 184 

used to derive two key inputs for the ASLMA Model: hydraulic conductivity (HCON) and 185 

specific storage (SS). VBA functions included in the SI Workbook are used to estimate the 186 

formation fluid density and viscosity from the aquifer or aquitard pressure, temperature, and 187 

salinity inputs, which are then used to estimate the HCON and SS. The estimated reference case 188 

HCON for the storage reservoir (Aquifer 1), thief zone (Aquifer 2), and USDW (Aquifer 3) are 189 
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0.576, 0.606, and 0.240 m/d, respectively, and the estimated SS for these units is 2.05E-06, 190 

1.64E-06, and 2.70E-06 (1/m), respectively. Details about the HCON and SS derivations are 191 

provided in Supporting Information. 192 

2.3.2 Initial Hydraulic Heads 193 

 The original ASLMA Model initially assumed hydrostatic pressure distributions in the 194 

entire system. The current work uses a modified version of the ASLMA Model to simulate 195 

pressure perturbations and leakage rates when there are initial head differences in the aquifers 196 

(Oldenburg et al., 2014). The initial hydraulic heads are calculated assuming an equivalent fresh-197 

water head based on the unit-specific elevations and pressures. The equivalent freshwater heads 198 

are entered into the ASLMA Model and establish the initial pressure conditions for the storage 199 

complex prior to CO2 injection. For example, the initial reference case equivalent freshwater 200 

heads for the storage reservoir (Aquifer 1), thief zone (Aquifer 2), and USDW (Aquifer 3) are 201 

1010, 762, and 760 m, respectively, which illustrates the state of overpressure in the storage 202 

complex, as both Aquifers 1 and 2 have a greater initial hydraulic head relative to Aquifer 3. 203 

Therefore, the storage complex requires different treatment than the default AOR calculations 204 

described in EPA (2013). Details on the calculations of initial hydraulic head are provided in the 205 

Supporting Information. 206 

2.3.3 CO2 Injection Parameters 207 

 The storage project being modeled in the reference case has a relatively small target CO2 208 

injection rate of 180,000 metric tons CO2 per year for 20 years. A single injector is placed at the 209 

center of the ASLMA model grid at an x,y-location of (0,0) in the coordinate reference system. 210 

The ASLMA Model requires the CO2 injection rate to be converted into an equivalent-volume 211 

injection of formation fluid in units of cubic meters per day. VBA functions included in the SI 212 
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Workbook are used to estimate the CO2 density from the storage reservoir pressure and 213 

temperature, which results in an estimated density of 730 kg/m3 in the reference case. The CO2 214 

mass injection rate and CO2 density are then used to derive the daily equivalent-volume injection 215 

rate of approximately 675 m3 per day. Details of these calculations are provided in Supporting 216 

Information and the SI Workbook. 217 

2.3.4 Hypothetical Leaky Wellbore 218 

 In our storage project example, no wellbores are known to exist that penetrate the primary 219 

seal (cap rock) within the study area. However, for heuristic, what-if scenario modeling, which is 220 

needed to generate the data for delineating a risk-based AOR, a hypothetical leaky wellbore is 221 

inserted into the ASLMA Model at 1, 2, …, 100 km from the CO2 injection well. The pressure 222 

buildup in the storage reservoir at each distance, along with the recorded cumulative volume of 223 

formation fluid vertically migrating through the leaky wellbore from the storage reservoir to the 224 

USDW (i.e., from Aquifer 1 to Aquifer 3) throughout the 20-year injection period, provide the 225 

data set needed to derive the risk-based AOR. 226 

 Published ranges for the effective permeability of a leaky wellbore have included an “open 227 

wellbore” with an effective permeability as high as 10-5 m2 to values more representative of 228 

leakage through a wellbore annulus of 10-10 to 10-12 m2 (Watson and Bachu, 2008, 2009; Celia et 229 

al., 2011). Carey (2017) provides probability distributions for the effective permeability of 230 

potentially leaking wells at CO2 storage sites and estimated a wide range from 10-10 to 10-20 m2. 231 

For the reference case ASLMA Model, the effectively permeability of the leaky wellbore is set to 232 

10-10 m2, which is a relatively conservative (highly permeable) value near the top of the 233 

published range for the effective permeability of potentially leaking wells at CO2 storage sites. 234 

Additional cases are evaluated to quantify the effect of the leaky wellbore effective permeability 235 
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on the risk-based AOR. Details regarding the leaky wellbore properties are provided in 236 

Supporting Information. 237 

 The current work uses the ASLMA Model Type 1 feature (focused leakage only) for the 238 

nominal model response, which makes the conservative assumption that the aquitards are 239 

impermeable. This assumption prevents the pressure from diffusing into the overlying aquitards, 240 

resulting in a greater pressure buildup in the storage reservoir and a commensurately greater 241 

amount of formation fluid vertically migrating from the storage reservoir through the leaky 242 

wellbore. The conservative assumption of Model Type 1 rather than Model Type 3 (coupled 243 

focused and diffuse leakage) provides an added level of protection to the delineation of a risk-244 

based AOR by projecting a larger pressure buildup in the storage reservoir and, therefore, a 245 

greater leakage of formation fluid up the leaky wellbore. 246 

2.3.5 Saline Aquifer Thief Zone 247 

 As shown in Figure 2, a saline aquifer (Aquifer 2) exists between the primary seal above 248 

the storage reservoir and the USDW (Aquifer 3). Formation fluid migrating up a leaky wellbore 249 

that is open to Aquifer 2 will preferentially flow into Aquifer 2, and the continued flow up the 250 

wellbore and into the USDW will be reduced. Therefore, the presence of Aquifer 2 acts as a thief 251 

zone and reduces the potential for formation fluid impacts to groundwater. The term “thief zone” 252 

is also used in the oil and gas industry to describe a formation encountered during drilling into 253 

which circulating fluids can be lost. As described in Supporting Information, models with and 254 

without opening the leaky wellbore to Aquifer 2 are run and evaluated to quantify the effect of a 255 

thief zone on the risk-based AOR. 256 
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2.4 Customized R Code for Multiple Model Runs 257 

 A custom wrapper written in the software environment, R (R Core Team, 2020), was 258 

developed to perform multiple runs of the ASLMA Model using given ranges for one or more 259 

input parameters. The input text file for the ASLMA Model was modified to include an “@R 260 

variable name” token for the inputs that were going to vary across model runs. While all inputs 261 

could be programmed to accept variable ranges, the current work focuses on the following:  262 

1) CO2 injection rate, 2) opening or closing the aquifer-wellbore segment to the Aquifer 2 thief 263 

zone, 3) hydraulic conductivity of the aquifers, 4) specific storage, and 5) hydraulic conductivity 264 

of the leaky well-aquifer segments.  265 

 The custom R wrapper consists of two parts: 1) a package containing the ASLMA Model 266 

FORTRAN code and R functions to read tokenized input files (Figure 3), replace tokens with 267 

given parameter values, write new input files, call the ASLMA Model executable, and capture 268 

the resulting “BUILDUP_AQ” and “FLOW_LW” output files as R data frames and 2) a script 269 

that calls the functions in the R package and handles parameter preprocessing and output data 270 

postprocessing. Inputs to the R script are the tokenized ASLMA Model input file, parameter 271 

token names, and values with which to replace those token names in the input file. 272 

 In addition, to generate multiple runs more readily, the customized R code standardizes the 273 

ASLMA Model outputs across multiple runs, expediting the analysis and graphing within the R 274 

programming environment or other software programs. 275 
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 276 

Figure 3. Example portion of ASLMA Model input file with variable tokens. 277 

2.5 Calculating the Potential Incremental Leakage to the USDW 278 

 As previously noted, several candidate storage reservoirs within North Dakota (and likely 279 

elsewhere around the world) are already overpressurized relative to overlying aquifers and thus 280 

subject to potential vertical fluid migration from the storage reservoir to the lowermost USDW 281 

even prior to the planned storage project. Stated differently, were a hypothetical leaky wellbore 282 

to exist that connects the storage reservoir to the USDW, then even in the absence of CO2 283 

injection, there would be an existing flow of formation fluids from the storage reservoir to the 284 

USDW. This pressure situation is important since the relative change in the storage reservoir 285 
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pressure buildup and formation fluid flow to the USDW (incremental leakage) between the 286 

baseline scenario (no CO2 injection) and the CO2 injection scenario is a critical input for 287 

assessing endangerment for the purpose of defining a risk-based AOR. 288 

 The following approach is adapted from Oldenburg et al. (2014) and the sequence of steps 289 

is as follows: 290 

1. Run the baseline scenario (no CO2 injection) ASLMA Model to estimate the 291 

cumulative flow (leakage) of formation fluid from the storage reservoir to overlying 292 

aquifers via hypothetical wellbores. Multiple leaky wellbores at progressively greater 293 

distances are not needed for the baseline case because there is no injection occurring. 294 

Record the pressure in the storage reservoir and cumulative flow of formation fluid into 295 

Aquifer 3 (USDW). For the baseline case with the leaky wellbore open to Aquifer 2 296 

(thief zone), record the pressure in the storage reservoir and cumulative flow of 297 

formation fluid into both Aquifer 2 (thief zone) and Aquifer 3 (USDW) at each leaky 298 

wellbore distance. The outputs from this step are the storage reservoir pressure buildup 299 

and cumulative flows attributable to the intrinsic relative overpressure condition and 300 

not to CO2 injection. The modeling work done for the current study writes outputs for 301 

20 years of CO2 injection; however, the time steps should mirror the site-specific CO2 302 

injection operations. 303 

2. Run the CO2 injection scenario ASLMA Model to estimate the cumulative flow 304 

(leakage) of formation fluid from the storage reservoir to overlying aquifers under CO2 305 

injection. Record the pressure and cumulative flow of formation fluid into Aquifer 3 306 

(USDW) at each leaky wellbore distance. For the CO2 injection case with the leaky 307 

wellbore open to Aquifer 2 (thief zone), record the pressure in the storage reservoir and 308 



 

A-17 

cumulative flow of formation fluid into both Aquifer 2 (thief zone) and Aquifer 3 309 

(USDW) at each leaky wellbore distance. The outputs from this step are the storage 310 

reservoir pressure buildup and cumulative flows attributable to both the intrinsic 311 

relative overpressure condition and CO2 injection. 312 

3. Calculate the ratio and difference between the cumulative flow of formation fluid for 313 

each aquifer/leaky wellbore distance under the CO2 injection scenario (Step 2) to the 314 

cumulative flow of formation fluid for each aquifer/leaky wellbore distance under the 315 

baseline (no CO2 injection) scenario (Step 1) to quantify the relative change in 316 

cumulative flow attributable to CO2 injection (i.e., the incremental leakage that occurs 317 

due to the storage project). This approach is analogous to Normalization Method 2 in 318 

Oldenburg et al. (2014), which does not account for the additional cumulative leakage 319 

into Aquifer 3 that may have occurred along any hypothetical leaky wellbore that 320 

existed prior to the start of CO2 injection and provides a more conservative estimate, 321 

i.e., results in a larger incremental leakage. Steps 1, 2, and 3 use the cumulative flow 322 

rather than the leakage rate because the leakage rate does not provide an overall 323 

indication of long-term total impact to the USDW. 324 

4. Calculate the incremental storage reservoir pressure buildup for each aquifer/leaky 325 

wellbore distance by subtracting the reservoir pressure buildup in the baseline (no CO2 326 

injection) scenario from the reservoir pressure buildup under the CO2 injection 327 

scenario. The incremental reservoir pressure buildup rather than the absolute pressure 328 

buildup under the CO2 injection scenario is used because, under some combinations of 329 

input parameters, there is a reduction in pressure in the reservoir at the leaky well 330 

location in both the baseline and CO2 injection scenarios. Relate the incremental 331 
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pressure buildup in the storage reservoir at the end of 20 years to the incremental 332 

leakage to Aquifer 3 (USDW) at the end of 20 years using derived functions or linear 333 

interpolations for both the case with and without the leaky wellbore open to Aquifer 2 334 

(thief zone). The mathematical relationship derived in this step informs the subsequent 335 

mapping in Step 6. 336 

5. Simulate the pressure buildup within the storage reservoir in response to CO2 injection 337 

using a compositional simulator (e.g., CMG-GEM). While this step could be omitted 338 

and the workflow could go directly to Step 6, the reason for using CMG-GEM is to 339 

better accommodate the temporospatial evolution of pressure buildup within the 340 

storage reservoir that is more accurately modeled using a heterogeneous geologic 341 

model and a compositional simulator that accounts for the multiphase interactions. 342 

6. Using the compositional simulator output, apply the incremental pressure buildup-343 

incremental leakage relationship derived in Step 4 to an areal map of reservoir pressure 344 

buildup from the compositional simulator (e.g., the model layer with the maximum 345 

pressure buildup at the end of simulation) to produce a map of potential incremental 346 

leakage to Aquifer 3 (USDW). Delineate a risk-based AOR whose two-dimensional 347 

(2D) extent encompasses a specified threshold incremental leakage. The choice of 348 

threshold incremental leakage is discussed later in the manuscript. 349 

7. Quantify the sensitivity of the incremental leakage (and, by extension, the risk-based 350 

AOR) to variation in petrophysical properties of the storage reservoir and overlying 351 

units, wellbore properties, and the presence of a thief zone between the primary seal 352 

(cap rock) and the USDW. 353 
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 Table 1 summarizes the set of four ASLMA Model runs (case matrix) for executing the 354 

above combinations of scenarios for Steps 1–6. 355 

Table 1. ASLMA Model Case Matrix Showing Reference Case Parameters for Estimating 356 

the Risk-Based AOR 357 

Case Number Case Name 

Injection Rate 

(metric tons per year) 

Thief Zone 

(Aquifer 2) 

Case 1 Baseline  

(no CO2 injection) 

0 Off 

Case 2 Baseline  

(no CO2 injection) 

0 On 

Case 3 Nominal case 180,000 Off 

Case 4 Nominal case 180,000 On 

2.6 Sensitivity Analysis 358 

 Our understanding or prediction of geologic systems is always uncertain. For example, 359 

uncertainty exists in both the random and systematic errors used to measure fundamental rock 360 

properties, as well as in the assumptions used to estimate the parameters from theoretical models, 361 

such as estimating permeability from well test data (Horne, 1995; Ramaswami et al., 2005). 362 

However, there is also environmental variability over space for these parameters. This variability 363 

is inherent to the storage complex, and unlike uncertainty, it cannot be reduced through 364 

additional measurements (Gilbert, 1987; Ramaswami et al., 2005). In this paper, the 365 

hydrostratigraphic unit properties shown in Figure 2 and the ASLMA Model inputs derived in 366 

the SI Workbook represent the average values. Therefore, the ASLMA Model results using these 367 
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average values represent the nominal (i.e., reference-case) response, and the risk-based AOR 368 

derived from the nominal response represents the most likely outcome (i.e., the best estimated 369 

value of the output, incremental leakage, corresponding to the best estimated values of the 370 

inputs). The sensitivity analysis focuses the effect of the ASLMA Model input variables on the 371 

incremental leakage and, therefore, the estimated risk-based AOR of the nominal response. 372 

 While each of the input variables contribute to the output, the sensitivity analysis focuses 373 

on the variation in four inputs: HCON of Aquifer 1 (storage reservoir) and Aquifer 2 (thief 374 

zone), SS of Aquifers 1 and 2, hydraulic conductivity of the leaky wellbore, and CO2 injection 375 

rate. HCON and SS for each aquifer depend on the underlying properties used to derive them and 376 

are not independent. Therefore, a one-at-a-time sensitivity analysis holding one of the two inputs 377 

constant while varying the other would be invalid. Instead, the sensitivity analysis approach 378 

derives a joint-probability region for HCON and SS and then explores the ASLMA Model 379 

outputs as the input variables move from lower to higher HCON/SS, covering the region 380 

between approximately the 30th and 70th percentiles of the joint distribution. 381 

 The sensitivity analysis for the leaky wellbore assumes that the quality of materials in each 382 

well is uniform along the entire well, which means that the effective permeability values for each 383 

wellbore-aquifer and wellbore-aquitard segment are completely correlated. In other words, one 384 

value of effective permeability is chosen, and that value is assigned to all leaky wellbore 385 

segments (Celia et al., 2011). The sensitivity analysis explores a range of leaky wellbore 386 

effective permeabilities from 10-9 to 10-13 m2, using log-order increments (i.e., 10-9, 10-10, …,  387 

10-13 m2), or one order-of-magnitude higher permeability than the nominal case to three orders-388 

of-magnitude lower permeability than the nominal case. 389 
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 The nominal CO2 mass injection rate is 180,000 metric tons per year, which reflects the 390 

expected injection rate of the example storage project. However, two additional injection rates 391 

are included in the sensitivity analysis: 500,000 and 1,000,000 metric tons per year. 392 

 Varying the HCON and SS of Aquifers 1 and 2, the hydraulic conductivity of the leaky 393 

wellbore and the CO2 mass injection rate, provides a sensitivity analysis test matrix of  394 

16 additional ASLMA Model runs (one nominal case [Test Case No. 1] plus 16 additional runs, 395 

i.e., 17 runs total). Details about the formulation of the sensitivity analysis test matrix are 396 

provided in Supporting Information (Table S-1). 397 

3.0 RESULTS 398 

 The workflow described above produces two sets of results: 1) an isotropic prediction of 399 

potential incremental total cumulative leakage based on distance from a single injection well 400 

using only the ASLMA Model and 2) an anisotropic prediction map of potential incremental 401 

total cumulative leakage using a combination of the relationship between reservoir buildup and 402 

leakage derived from the ASLMA Model and reservoir buildup results from compositional 403 

simulation of the geocellular model. 404 

3.1 Incremental Total Cumulative Leakage from ASLMA Model 405 

 Figure 4a shows the results of the nominal ASLMA Model with the incremental leakage 406 

expressed as a ratio (percent) for both the scenario with and without the leaky wellbore being 407 

open to Aquifer 2 (thief zone). Figure 4b shows the results expressed as a volume (m3). The 408 

incremental leakage is a function of both distance from the injection well and time, as a leaky 409 

wellbore located closer to the injection well is subjected to greater pressure buildup over the 410 

injection period and, therefore, commensurately greater incremental leakage. 411 
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 For a leaky wellbore located 2 km from the injection well and the case when the leaky 412 

wellbore is closed to Aquifer 2 (thief zone), the incremental leakage to Aquifer 3 (USDW) at the 413 

end of 20 years is approximately 2.4% above the baseline (no CO2 injection) (y-axis of 1.024 in 414 

Figure 4a, top left panel). However, when the leaky wellbore located 2 km from the injection 415 

well is open to Aquifer 2, the incremental leakage to Aquifer 3 at the end of 20 years is 416 

essentially zero (0.2%, y-axis of 1.002 in Figure 4a, top right panel). Thus the presence of a thief 417 

zone significantly reduces the incremental leakage, which is consistent with the “elevator model” 418 

described by Nordbotten et al. (2004) and other published modeling studies that have included a 419 

thief zone (e.g., Cihan et al., 2012; Birkholzer et al., 2014; Huerta and Vasylkivska, 2016). 420 

 At leaky wellbores located farther from the injection well, the incremental leakage at the 421 

end of 20 years decreases substantially. For example, for leaky wellbores located 4, 8, and 15 km 422 

from the injection well, the incremental leakage into Aquifer 3 at the end of 20 years is 423 

approximately 1.8% (1.018 on the y-axis), 1.3% (1.013 on the y-axis), and 0.8% (1.008 on the y-424 

axis), respectively, above the baseline (no CO2 injection) case when the leaky wellbore is closed 425 

to Aquifer 2. When the leaky wellbore is open to Aquifer 2, the incremental leakage to Aquifer 3 426 

at the end of 20 years for these distances is essentially zero (all less than 0.2%). 427 

 The incremental leakage expressed as a volume helps place the results into the broader 428 

hydrogeological context with respect to assessing endangerment to the USDW. For example, for 429 

the leaky wellbore located 2 km from the injection well, the 2.4% increase above baseline (no 430 

CO2 injection) equates to a cumulative volume of only 381 m3 at the end of 20 years (y-axis of 431 

222 in Figure 4b, top left panel). Aquifer 3 is 88 m thick; therefore, within a cylinder of radius  432 

2 km and using the average porosity of 34%, Aquifer 3 contains approximately 376 million m3 of 433 

water [π(2000 m)2(88 m)(0.34)]. Thus an incremental leakage of 381 m3 of formation fluid over 434 
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20 years equates to about 0.0001% of the total volume of water contained within that rock 435 

volume. The incremental leakage at distances beyond 2 km equate to less than 0.0001% of the 436 

total volume of water contained within that rock volume. 437 

 438 

Figure 4a. Results of the ASLMA Model for leaky well distances from 2 to 20 km with the 439 

incremental total cumulative leakage expressed as a ratio. The left column of panels shows the 440 

scenario where the leaky wellbore is closed to Aquifer 2 (thief zone), and the right column of 441 

panels shows the scenario where the leaky wellbore is open to Aquifer 2. 442 
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 443 

Figure 4b. Results of the ASLMA Model for leaky well distances from 2 to 20 km with the 444 

incremental total cumulative leakage expressed as a volume. The left column of panels shows 445 

the scenario where the leaky wellbore is closed to Aquifer 2 (thief zone), and the right column 446 

of panels shows the scenario where the leaky wellbore is open to Aquifer 2. 447 
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3.2 Relating Pressure Buildup to Incremental Leakage with ASLMA Model and 448 

Compositional Simulation 449 

 Figure 5 shows the relationship between maximum pressure buildup in the storage 450 

reservoir and the incremental leakage to Aquifer 3 (USDW) at each hypothetical leaky wellbore 451 

location at the end of 20 years for both the cases with and without the leaky wellbore open to 452 

Aquifer 2 (thief zone). In the case where the leaky wellbore is closed to Aquifer 2 (thief zone = 453 

off), there is no incremental leakage to Aquifer 2 (the incremental leakage to Aquifer 2 is not 454 

used for delineating the risk-based AOR and is provided only for reference). The curvilinear 455 

relationship between pressure buildup in the storage reservoir and the incremental leakage to 456 

Aquifer 3 is used to predict incremental leakage from the pressure buildup map produced by 457 

compositional simulation of the geocellular model. The maximum simulated pressure buildup in 458 

the reservoir (generally the top layer of the simulation model) is represented by a raster map of 459 

pressure buildup values. For each raster value, the relationship between pressure buildup and 460 

incremental leakage is used to predict incremental leakage using linear interpolation between the 461 

points making up the USDW curve, both with and without a thief zone. As shown in the figure, 462 

when the leaky wellbore is open to Aquifer 2, it decreases the incremental total cumulative 463 

leakage to Aquifer 3 by one to two orders of magnitude for any given pressure. 464 
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 465 

Figure 5. Relationship between pressure buildup in the storage reservoir (x-axis, kPa) and 466 

incremental total cumulative leakage (y-axis, m3) for Aquifer 2 (thief zone, red dashed line) 467 

and Aquifer 3 (USDW, blue line). The left panel shows the scenario where the leaky wellbore 468 

is closed to Aquifer 2 (Thief Zone = Off) and the right panel shows the scenario where the 469 

leaky wellbore is open to Aquifer 2 (Thief Zone = On). 470 

3.2.1 Incremental Leakage Maps 471 

 The pressure buildup-incremental leakage relationships in Figure 5 result in the 472 

incremental leakage maps shown in Figure 6, which show the estimated total cumulative 473 

incremental leakage potential from a hypothetical leaky well into Aquifer 3 (USDW) over the 474 

entire 20-year period. For the case where the leaky wellbore is closed to Aquifer 2 (thief zone), 475 

the areal extent of the CO2 plume in the storage reservoir plus half-mile buffer (as determined 476 

using a compositional simulator and the site-specific geological model) corresponds to an 477 

incremental leakage potential of approximately 350 m3 (Figure 6a). In contrast, when the leaky  478 
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 479 

Figure 6. Incremental leakage maps at the end of 20 years of CO2 injection for the scenario 480 

where the leaky wellbore is closed to Aquifer 2 (thief zone) (a) or open to Aquifer 2 (b). The 481 

white polygon in both panels denotes the areal extent of the CO2 plume in the storage reservoir 482 

plus half-mile buffer at the end of 20 years of CO2 injection as determined using a 483 

compositional simulator and the site-specific geological model. 484 

wellbore is open to Aquifer 2, there is essentially no incremental leakage to Aquifer 3, and the 485 

areal extent of measurable incremental leakage is less than the extent of the CO2 plume in the 486 

storage reservoir plus half-mile buffer (Figure 6b). The final step of the risk-based AOR 487 

workflow is to apply a threshold criterion to the incremental leakage maps to delineate a risk-488 

based AOR, as discussed below. 489 

3.3 Sensitivity Analysis Results 490 

 Figure 7 shows the results of the sensitivity analysis for the four sets of input parameters. 491 

The horizontal lines are provided for reference and show the maximum incremental leakage to 492 

Aquifer 3 (USDW) at the end of 20 years for the nominal case with the leaky wellbore closed to 493 
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Aquifer 2 (thief zone off – 1340 m3) and open to Aquifer 2 (thief zone on – 2 m3), respectively 494 

(Figure 7e). 495 

 Lowering HCONX/SS of Aquifer 1 (storage reservoir) from the nominal case increases the 496 

pressure buildup in response to CO2 injection and, therefore, increases the incremental leakage of 497 

formation fluids up the leaky wellbore to Aquifer 3. For example, for the same CO2 injection rate 498 

as the nominal case, the lower HCON/SS of Aquifer 1 results in a maximum pressure buildup of 499 

2760 kPa (1210% increase from the nominal value of 210 kPa) and a maximum incremental 500 

leakage of 17,330 m3 (1190% increase from the nominal value of 1340 m3). The result is slightly 501 

less pronounced for the case when the leaky wellbore is open to Aquifer 2, which results in a 502 

maximum pressure buildup of 2720 kPa (1200% increase from the nominal value of 201 kPa) 503 

and a maximum incremental leakage of 22 m3 (1000% increase from the nominal value of 2 m3) 504 

(Figure 7a). 505 

 Modifying the HCONX/SS of Aquifer 2 from the nominal case has no effect on the case 506 

when the leaky wellbore is closed to Aquifer 2. However, when the leaky wellbore is open to 507 

Aquifer 2, lowering HCONX/SS of Aquifer 2 from the nominal case increases the incremental 508 

leakage to Aquifer 3. For example, the maximum incremental leakage when the leaky wellbore is 509 

open to Aquifer 2 is 80 m3 (3900% increase from the nominal value of 2 m3) (Figure 7b). 510 

Therefore, the lower HCONX/SS of Aquifer 2 prevents the flow of formation fluids into Aquifer 511 

2 from the leaky wellbore, and results in a greater incremental leakage to Aquifer 3. Conversely, 512 

increasing the HCONX/SS of Aquifer 2 from the nominal case decreases the incremental leakage 513 

to Aquifer 3, as shown in the bottom set of data points in Figure 7b. 514 

 The effect of increasing the CO2 mass injection rate from the nominal case is analogous to 515 

lowering HCONX/SS of Aquifer 1: the higher injection rate increases the pressure buildup in 516 
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Aquifer 1 in response to CO2 injection and, therefore, increases the incremental leakage of 517 

formation fluids up the leaky wellbore to Aquifer 3. The maximum incremental leakage with the 518 

leaky wellbore closed to Aquifer 2 is 7430 m3 (450% increase from the nominal value of  519 

1340 m3) and maximum incremental leakage with the leaky wellbore open to Aquifer 2 is 10 m3 520 

(400% increase from the nominal value of 2 m3) (Figure 7c). 521 

 Lastly, the effect of increasing the leaky wellbore effective permeability increases the 522 

incremental leakage to Aquifer 3; conversely, decreasing the leaky wellbore effective 523 

permeability decreases the incremental leakage to Aquifer 3 (Figure 7d). For example, the case 524 

with the greatest leaky wellbore effective permeability when the leaky wellbore is closed to 525 

Aquifer 2 results in a maximum incremental leakage of 13,250 m3 (900% increase from the 526 

nominal value of 1340 m3), while the case with the lowest leaky wellbore effective permeability 527 

when the leaky wellbore is closed to Aquifer 2 results in a maximum incremental leakage of  528 

1 m3 (–100% decrease from the nominal value of 1340 m3). Similarly, the case with the greatest 529 

leaky wellbore effective permeability when the leaky wellbore is open to Aquifer 2 results in a 530 

maximum incremental leakage of 170 m3 (8400% increase from nominal), while the case with 531 

the lowest leaky wellbore effective permeability when the leaky wellbore is open to Aquifer 2 532 

results in a maximum incremental leakage of 0 m3 (no measurable incremental leakage)  533 

(Figure 7d). 534 

 535 
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Figure 7. Results of the sensitivity analysis showing pressure buildup in the storage 537 

reservoir (x-axis [log10-scale]) and the estimated incremental total cumulative leakage to 538 

Aquifer 3 (USDW) at the end of 20 years of CO2 injection (y-axis [log10-scale]) as a 539 

function of varying four sets of input parameters: (a) HCONX/SS of Aquifer 1, (b) 540 

HCONX/SS of Aquifer 2, (c) CO2 mass injection rate, and (d) leaky wellbore effective 541 

permeability, as compared to the reference (nominal) case (e). The horizontal lines at  542 

1340 m3 and 2 m3 are provided for reference and show the maximum incremental leakage 543 

for the nominal case with the thief zone off and on, respectively. 544 

 The sensitivity analysis results show the importance of site characterization data to the 545 

delineation of the risk-based AOR, as the measurements of depth, pressure, temperature, salinity, 546 

porosity, and permeability affect the subsequent estimates of HCONX and SS for the 547 

hydrostratigraphic units. In addition, well integrity surveys provide invaluable data that can 548 

inform the potential wellbore leakage risk within the AOR. 549 

4.0 DISCUSSION 550 

 The approach presented herein provides a defensible approach for generating an 551 

incremental leakage map using the combined results of the ASLMA Model and compositional 552 

simulation. These methods translate ASLMA Model-based pressure increase in the storage 553 

reservoir into expected incremental leakage into overlying aquifers according to average 554 

geometry and petrophysical properties. The approach builds upon well-established research and 555 

underlying hydrogeological principles. For example, the semianalytical solutions included in the 556 

ASLMA Model are extensions of earlier work for formation fluid leakage through abandoned 557 

wellbores by Raven (1990) and Avci (1994), which have been upheld for nearly three decades. 558 

In addition, the ASLMA Model (Cihan et al., 2011, 2012) has been broadly applied to an array 559 
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of storage projects. However, the final step is to apply a threshold criterion to the incremental 560 

leakage maps to delineate a risk-based AOR. Ultimately, the specific criterion is a matter of risk 561 

judgment under uncertainty (Morgan et al., 1990). 562 

 For the storage project evaluated here, under the scenario where the leaky wellbore is open 563 

to a thief zone between the overlying seal and the USDW, the risk-based AOR essentially 564 

collapses to the areal extent of the CO2 plume in the storage reservoir because the pressure 565 

buildup in the storage reservoir beyond the CO2 plume is insufficient to drive formation fluids up 566 

a hypothetical leaky wellbore past the thief zone and into the USDW. However, even under the 567 

conservative assumption that the leaky wellbore is not open to the thief zone, at distances beyond 568 

the areal extent of the CO2 plume, the incremental leakage is less than ~400 m3 over 20 years 569 

(Figure 6) which represents ~0.0001% or less of the total volume of water contained within the 570 

USDW rock pore volume. Therefore, a risk-based AOR could be delineated based on a no-571 

impact threshold (i.e., no incremental leakage) or a low- or nondetectable-threshold (i.e., a 572 

leakage volume so small that it either would not be detected by conventional analytical methods 573 

or otherwise have no measurable impact on the salinity of the USDW). The threshold criterion is 574 

site-specific and should be informed by the results of the sensitivity analysis and available site 575 

characterization data. 576 

 The example storage project presented in this paper represents a relatively small CO2 577 

injection rate of 180,000 metric tons per year. While the differences in the no-injection versus 578 

CO2-injection comparisons are evident, they would be much more dramatic under larger 579 

injection volumes, such as those anticipated for a typical coal-fired power plant (1 million metric 580 

tons of CO2 or more injected per year). 581 
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5.0 CONCLUSIONS 582 

 This paper presents a workflow and modeling approach for delineating a risk-based AOR 583 

to support an EPA Class VI storage facility permit for a CO2 storage project. The approach 584 

combines semianalytical solutions for estimating the formation fluid leakage through a 585 

hypothetical leaky wellbore with the results of numerical reservoir simulations to define the 586 

AOR. For the storage project evaluated here, under the scenario where the leaky wellbore is open 587 

to a saline aquifer (thief zone) between the overlying seal (cap rock) and the USDW, the risk-588 

based AOR essentially collapses to the areal extent of the CO2 plume in the storage reservoir 589 

because the pressure buildup in the storage reservoir beyond the CO2 plume is insufficient to 590 

drive formation fluids up a hypothetical leaky wellbore into the USDW. However, even under 591 

the conservative assumption that the leaky wellbore is not open to a thief zone, beyond the areal 592 

extent of the CO2 plume, the incremental leakage is less than ~400 m3 over 20 years (Figure 6) 593 

which represents ~0.0001% or less of the total volume of water contained within the USDW rock 594 

volume. The approach outlined in this paper is designed to be protective of USDWs and, 595 

therefore, comply with SDWA requirements and provisions for the U.S. EPA Class VI UIC 596 

program (Class VI Rule) and North Dakota Administrative Code Chapter 43-05-01. 597 
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SUPPORTING INFORMATION 668 

 A macro-enabled Microsoft Excel workbook with built-in Visual Basic Application (VBA) 669 

functions is included in Supporting Information that provides the calculations needed to execute 670 

the ASLMA Model (SI Workbook). The remainder of this Supporting Information describes the 671 

calculations included in the SI Workbook. 672 

S1.0 AQUIFER AND AQUITARD PROPERTIES 673 

S1.1 Hydraulic Conductivity (HCON) 674 

 Hydraulic conductivity (HCON) is a function of fluid density, fluid viscosity, and the 675 

reservoir permeability, as shown in Equation S-1. 676 

𝑘𝑘 = 𝜅𝜅 𝜌𝜌𝜌𝜌
𝜇𝜇

 [Equation S-1] 677 

Where: 678 

𝑘𝑘 is hydraulic conductivity (m/d). 679 

𝜅𝜅 is permeability (m2).  680 

𝜌𝜌 is the fluid density (kg/m3).  681 

𝑔𝑔 is the acceleration due to gravity (9.81 m/s2).  682 

𝜇𝜇 is the fluid viscosity (kg/m-s). 683 

 The fluid density and viscosity are a function of pressure, temperature, and salinity.  684 

 To estimate the brine density, the SI Workbook utilizes a VBA function, BrineDen, which 685 

uses inputs of temperature (T in units of °C), pressure (P in units of Pa), and salinity (XS as a 686 

dimensionless salt mass fraction). The BrineDen function was developed by Bandilla (2016a) 687 

based on the brine density solutions described in Haas (1976) and Battistelli et al. (1997). 688 

 To estimate brine viscosity, the SI Workbook utilizes a VBA function, BrineVisc, which 689 

also uses inputs of temperature (T in units of °C), pressure (P in units of Pa), and salinity (XS as 690 



 

A-38 

a dimensionless salt mass fraction). The BrineVisc function was developed by Bandilla (2016b) 691 

based on the brine viscosity solutions described in Phillips et al. (1981). 692 

 The formation-specific pressure, temperature, and salinity values provide the inputs needed 693 

to estimate brine density via BrineDen and brine viscosity via BrineVisc, which, along with the 694 

formation-specific permeability, provide the inputs for estimating HCON for each unit via 695 

Equation S-1. For example, the pressure, temperature, and salinity for Aquifer 1 (Broom Creek 696 

Formation) are 22,019 Pa (3194 psi), 64.0°C (147.2°F), and 0.065 (65,000 ppm), respectively. 697 

These inputs result in an estimated brine density and viscosity of 1034 kg/m3 and 5.06E-04 698 

kg/m-s, respectively. The average permeability for Aquifer 1 is 3.33E-13 m2 (337 md), which 699 

results in a HCON of 6.76E-01 m/d. 700 

S1.2 Specific Storage (SS) 701 

 Specific storage (SS) is a function of fluid density, gravity, formation porosity, fluid 702 

compressibility, and pore compressibility, as shown in Equation S-2. 703 

𝑆𝑆𝑆𝑆 = 𝜌𝜌𝜌𝜌𝜌𝜌(𝛼𝛼 + 𝛽𝛽) [Equation S-2] 704 

 Where: 705 

𝜌𝜌 is the fluid density (kg/m3).  706 

𝑔𝑔 is the acceleration due to gravity (9.81 m/s2). 707 

𝜙𝜙 is porosity (unitless). 708 

𝛼𝛼 is the brine compressibility (1/Pa).  709 

𝛽𝛽 is the pore compressibility (1/Pa). 710 

 Similar to the process for estimating HCON, the formation-specific pressure, temperature, 711 

and salinity values provide the inputs needed to estimate brine density via BrineDen and brine 712 

viscosity via BrineVisc, which, along with the formation-specific porosity, brine compressibility, 713 
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and pore compressibility, provide the inputs for estimating SS for each unit via Equation S-2. 714 

The pore compressibility is assumed to be 4.5E-10 (1/Pa) for aquifers and 9.0E-10 (1/Pa) for 715 

aquitards, which is consistent with values used in Birkholzer et al. (2009) and representative of 716 

the site-specific lithology for the storage project. Users may change these inputs to reflect their 717 

site-specific values. An additional function is used to estimate pore compressibility. To estimate 718 

the brine compressibility, the SI Workbook utilizes a VBA function, BrineComp, which uses 719 

inputs of temperature (T in units of °C), pressure (P in units of Pa), and salinity (XS as a 720 

dimensionless salt mass fraction). The BrineVisc function was developed by Morgan (2016). 721 

 For example, the pressure, temperature, and salinity for Aquifer 1 (Broom Creek 722 

formation) are 22,019 Pa (3194 psi), 64.0°C (147.2°F), and 0.065 (65,000 ppm), respectively. 723 

These inputs result in an estimated brine density and viscosity of 1034 kg/m3 and  724 

5.06E-04 kg/m-s, respectively. Under these conditions, the brine compressibility is estimated to 725 

be 3.83E-10 (1/Pa) and the pore compressibility is assumed to be 4.5E-10 (1/Pa). Therefore, the 726 

estimated SS for Aquifer 1 is 2.05E-06 (1/m). 727 

S2.0 INITIAL HYDRAULIC HEADS 728 

 The original ASLMA Model assumed initially hydrostatic pressure distributions in the 729 

entire system. The current work uses a modified version of the ASLMA Model to simulate 730 

pressure perturbations and leakage rates when there are initial head differences in the aquifers, 731 

i.e., preinjection relative overpressure (Oldenburg et al., 2014). The initial heads are calculated 732 

assuming an equivalent freshwater head based on the unit-specific elevations and pressures using 733 

Equation S-3 (Raven et al., 1990). 734 

ℎ𝑓𝑓 = 𝑍𝑍 + 𝑝𝑝
𝜌𝜌𝑓𝑓𝑔𝑔

 [Equation S-3] 735 

 Where: 736 
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ℎ𝑓𝑓 is the equivalent freshwater head (m). 737 

𝑍𝑍 is the elevation of the midpoint of the geologic unit (m). 738 

𝑝𝑝 is the measured formation pressure (Pa). 739 

𝜌𝜌𝑓𝑓 is the density of fresh water (1000 kg/m3). 740 

𝑔𝑔 is the acceleration due to gravity (9.81 m/s2). 741 

 The equivalent freshwater heads are entered into the ASLMA Model parameter, 742 

HEAD_INIT, and establish the initial pressure conditions for the storage complex prior to CO2 743 

injection. 744 

S3.0 CO2 EQUIVALENT-VOLUME INJECTION OF BRINE 745 

 The target CO2 injection rate for the storage project is 180,000 metric tons CO2 per year 746 

for 20 years. Feasibility study and predesign investigations have concluded that one injection 747 

well will be sufficient for the injection operations. Therefore, a single injector is placed at the 748 

center of the ASLMA model grid at an x-y location of (0,0) in the coordinate reference system. 749 

The ASLMA Model requires the CO2 injection rate to be converted into an equivalent-volume 750 

injection of brine in units of cubic meters per day. For estimating the CO2 density, the SI 751 

Workbook utilizes a macro function, CO2Den (Burton-Kelly and Bosshart, 2020), which uses 752 

inputs of temperature (T in units of °C) and pressure (P in units of psi) of to estimate CO2 density 753 

in the reservoir from correlations described in Ouyang (2011). The estimated CO2 density is  754 

730 kg/m3, which results in a daily equivalent-volume injection rate of approximately 675 m3 per 755 

day. 756 

 As CO2 injection progresses throughout the 20-year operating period, the pressure in the 757 

storage reservoir will increase. Consequently, the CO2 density will also increase, resulting in a 758 

lower equivalent-volume injection rate over time if the CO2 mass injection rate is held constant 759 
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at the surface. The current approach uses a constant equivalent-volume injection rate throughout 760 

the entire operational period, which results in overestimating pressure buildup in the storage 761 

reservoir over time. However, the ASLMA Model outputs are used to create a relationship 762 

between pressure buildup in the storage reservoir and the incremental total cumulative leakage 763 

that occurs because of the injection, not to delineate a distance-leakage relationship. 764 

S4.0 HYPOTHETICAL LEAKY WELLBORE 765 

 In the ASLMA Model, wellbore leakage is treated as flow through porous media by using 766 

Darcy’s law. As described in Cihan et al. (2011) and the ASLMA Model User’s Guide, the 767 

leakage rate through the wellbore from an aquifer, up through the overlying well-aquitard 768 

segment, and into the next aquifer in succession depends on the hydraulic head difference 769 

between aquifers, the hydraulic conductivity of the well-aquitard segment, and the wellbore area. 770 

The brine that has migrated upward through the well-aquitard segment may be diverted into the 771 

overlying aquifer and/or may continue to migrate upward through the overlying well-aquitard 772 

segment, and beyond. 773 

 To solve the Darcy flow up the leaky wellbore, the ASLMA Model requires several sets of 774 

inputs to describe the properties of the wellbore, including the radii of the well at each well-775 

aquifer segment (RwA), the hydraulic conductivity of each well-aquifer segment (KWw), the 776 

radii of the well at each well-aquitard segment (RW), and the hydraulic conductivity of each 777 

well-aquitard segment (KW). 778 

 For the current work, the wellbore radius is set to 0.15 m (5.9 inches) for all segments 779 

(RwA and RW). However, the user may change the wellbore radius to any plausible value for 780 

wellbores within the study area. 781 
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 For the reference case ASLMA Model, the effectively permeability of the leaky wellbore is 782 

set to 10-10 m2. The SI Workbook estimates the wellbore hydraulic conductivity for wellbore 783 

effective permeabilities from 10-9 to 10-13 m2, which covers a range encompassing values that are 784 

representative of leakage through a wellbore annulus (10-10 to 10-12 m2) (Watson and Bachu, 785 

2008, 2009; Celia et al., 2011). Carey (2017) provides probability distributions for the effective 786 

permeability of potentially leaking wells at CO2 storage sites, estimating a wider range from  787 

10-10 to 10-20 m2.  The SI Workbook calculations assume a porosity of 35% and use the storage 788 

reservoir pressure, temperature, and fluid properties to estimate the hydraulic conductivity for all 789 

well-aquifer and well-aquitard segments (KWw and KW, respectively). 790 

S5.0 SALINE AQUIFER THIEF ZONE 791 

 A saline aquifer (Aquifer 2) exists between the primary seal above the storage reservoir 792 

and the USWD. Formation fluid migrating up a leaky wellbore that is open to Aquifer 2 will 793 

preferentially flow into Aquifer 2, and the continued flow up the wellbore and into the USDW 794 

will be reduced. Therefore, the presence of Aquifer 2 acts as a “thief zone” and reduces the 795 

potential for formation fluid impacts to groundwater. In addition to the leaky wellbore properties, 796 

the ASLMA Model allows the user to specify whether the status of an aquifer-wellbore segment 797 

(STAC) is closed (0) or open (1). If the status of the aquifer-wellbore segment is closed, then 798 

fluids migrating up the leaky wellbore cannot enter that geologic unit. To quantify the effect of 799 

the thief zone on the risk-based AOR, models with the leaky wellbore open to Aquifer 2  800 

(STAC = 1) and with the leaky wellbore closed to Aquifer 2 (STAC = 0) are run and evaluated in 801 

both the injection and noninjection conditions. 802 
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S6.0 SENSITIVITY ANALYSIS 803 

 While each of the ASLMA Model input variables contribute to the output, the sensitivity 804 

analysis focuses on four inputs: hydraulic conductivity (HCONX) of Aquifer 1 (storage 805 

reservoir) and Aquifer 2 (thief zone), SS of Aquifers 1 and 2, hydraulic conductivity of the leaky 806 

wellbore, and CO2 mass injection rate. 807 

S6.1 HCON and SS Joint-Probability Region 808 

 HCON and SS for each aquifer depend on the underlying properties used to derive them 809 

and are not independent. Therefore, a one-at-a-time sensitivity analysis holding one of the two 810 

inputs constant while varying the other would be invalid. Instead, the sensitivity analysis 811 

approach derives a joint-probability region for HCON and SS and then explores the ASLMA 812 

Model outputs as the input variables move from lower HCON/SS to higher HCON/SS. 813 

 As shown in Equations S-1, HCONX for each aquifer is a function of aquifer temperature, 814 

pressure, and formation fluid salinity, which determine the formation fluid density and viscosity 815 

and aquifer permeability. Similarly, as shown in Equation S-2, SS for each aquifer is a function 816 

of aquifer temperature, pressure, and formation fluid salinity, which determine the formation 817 

fluid density and aquifer porosity. In addition, the calculation of SS also includes the fluid and 818 

pore compressibility terms. As a simplifying assumption, the sensitivity analysis assumes a 819 

constant aquifer temperature, pressure, and formation fluid salinity, i.e., a constant formation 820 

fluid density, viscosity, and compressibility. Therefore, variability in HCONX is solely 821 

attributable to the variation in permeability. The pore compressibility is derived from 822 

correlations published by Crawford et al. (2011); therefore, variability in SS is solely attributable 823 

to variation in porosity. 824 
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 Site characterization data for Aquifer 2 show that the porosity distribution can be 825 

accurately described by a beta distribution with parameters α = 8.332 and β = 31.715 and that the 826 

permeability can be accurately described by a lognormal distribution with parameters µ = 4.290 827 

and σ = 4.076. Analysis of porosity and permeability on paired samples provided a correlation 828 

coefficient of ρporosity-permeability = 0.722. Using these inputs and solving for HCONX via Equation 829 

S-1 and SS via Equation S-2 results in the joint-probability region for Aquifer 2 HCONX-SS 830 

shown in Figure S-1a. 831 

 Similarly, site characterization data for Aquifer 1 show that the porosity distribution can be 832 

accurately described by a beta distribution with parameters α = 4.070 and β = 18.589 and that the 833 

permeability can be accurately described by a lognormal distribution with parameters µ = 4.623 834 

and σ = 2.642. Analysis of porosity and permeability on paired samples provided a correlation 835 

coefficient of ρporosity-permeability = 0.634. Using these inputs and solving for HCONX via Equation 836 

S-1 and SS via Equation S-2 results in the joint-probability region for Aquifer 1 HCONX-SS 837 

shown in Figure S-1b. 838 

 For Aquifers 2 and 1, the sensitivity analysis moves within a tolerance ellipse defined as 839 

the 30th and 70th percentiles from lower HCON/SS to higher HCON/SS in Figure S-1a and  840 

S-1b, respectively, and the test matrix includes five points for each aquifer. 841 
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 842 

Figure S1. Joint-probability region for HCONX (x-axis) and SS (y-axis) for (a)  843 

Aquifer 2 (Inyan Kara – Thief Zone) and (b) Aquifer 1 (Broom Creek – Storage 844 

Reservoir) based on available site characterization data. The orange diamonds in each 845 

panel represent the sensitivity analysis test points listed in Table S-1. 846 
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S6.2 Leaky Wellbore Effective Permeability 847 

 The sensitivity analysis for the leaky wellbore assumes that the quality of materials in each 848 

well is uniform along the entire well, which means that the effective permeability values for each 849 

wellbore-aquifer and wellbore-aquitard segment are completely correlated. In other words, one 850 

value of effective permeability is chosen, and that value is assigned to all leaky wellbore 851 

segments (Celia et al., 2011). The sensitivity analysis explores a range of leaky wellbore 852 

effective permeabilities from 10-7 to 10-13 m2, using log-order increments (i.e., 10-7, 10-8, …,  853 

10-13 m2) using the same calculation approach for KWw described previously. The test matrix 854 

includes seven runs for the leaky wellbore effective permeability range. 855 

S6.3 CO2 Mass Injection Rate 856 

 The nominal CO2 mass injection rate is 180,000 metric tons per year, which reflects the 857 

expected injection rate of the planned storage project. However, two additional injection rates are 858 

included in the sensitivity analysis: 500,000 and 1,000,000 metric tons per year. 859 

S6.4 Sensitivity Analysis Test Matrix 860 

 Varying the HCON and SS of Aquifers 1 and 2, the hydraulic conductivity of the leaky 861 

wellbore in log-order increments, and the CO2 mass injection rate provides a sensitivity analysis 862 

test matrix of 16 additional ASLMA Model runs (one nominal case [Test Case No. 1] plus  863 

16 additional runs, i.e., 17 runs total) (Table S-1).  864 
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Table S-1. Sensitivity Analysis Test Matrix. Yellow cells indicate the nominal input value. 865 

  
Aquifer 1 

(Broom Creek - Storage Reservoir) 
Aquifer 2 

(Inyan Kara - Thief Zone) 
Leaky Wellbore 
Hydraulic Cond. 

CO2 Mass 
Injection Rate 

Test Case No. 
HCONX 

(m/d) 
SS 

(1/m) 
HCONX 

(m/d) 
SS 

(1/m) 
KWw 
(m/d) 

Q 
(metric tons per year) 

1 5.76E-01 2.05E-06 6.06E-01 1.64E-06 1.73E+02 180,000 
2 3.94E-02 1.47E-06 6.06E-01 1.64E-06 1.73E+02 180,000 
3 8.07E-02 1.57E-06 6.06E-01 1.64E-06 1.73E+02 180,000 
4 1.58E-01 1.66E-06 6.06E-01 1.64E-06 1.73E+02 180,000 
5 3.08E-01 1.75E-06 6.06E-01 1.64E-06 1.73E+02 180,000 
6 6.29E-01 1.85E-06 6.06E-01 1.64E-06 1.73E+02 180,000 
7 5.76E-01 2.05E-06 1.12E-02 1.65E-06 1.73E+02 180,000 
8 5.76E-01 2.05E-06 3.38E-02 1.74E-06 1.73E+02 180,000 
9 5.76E-01 2.05E-06 9.54E-02 1.82E-06 1.73E+02 180,000 
10 5.76E-01 2.05E-06 2.69E-01 1.89E-06 1.73E+02 180,000 
11 5.76E-01 2.05E-06 8.17E-01 1.98E-06 1.73E+02 180,000 
12 5.76E-01 2.05E-06 6.06E-01 1.64E-06 1.73E+03 180,000 
13 5.76E-01 2.05E-06 6.06E-01 1.64E-06 1.73E+01 180,000 
14 5.76E-01 2.05E-06 6.06E-01 1.64E-06 1.73E+00 180,000 
15 5.76E-01 2.05E-06 6.06E-01 1.64E-06 1.73E-01 180,000 
16 5.76E-01 2.05E-06 6.06E-01 1.64E-06 1.73E+02 1,000,000 
17 5.76E-01 2.05E-06 6.06E-01 1.64E-06 1.73E+02 500,000 

 866 
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